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ABSTRACT 

 
SIMULATING OIL RECOVERY DURING CO2 SEQUESTRATION 

INTO A MATURE OIL RESERVOIR 
 
 

PAMUKÇU, Yusuf Ziya 
 
 

M.S., Department of Petroleum and Natural Gas Engineering 
 

Supervisor: Prof. Dr. Fevzi GÜMRAH 
 
 

August 2006, 102 pages 
 
 
 

The continuous rising of anthropogenic emission into the atmosphere as a 

consequence of industrial growth is becoming uncontrollable, which 

causes heating up the atmosphere and changes in global climate. 

Therefore, CO2 emission becomes a big problem and key issue in 

environmental concerns.  

There are several options discussed for reducing the amount of CO2 

emitted into the atmosphere. CO2 sequestration is one of these options, 

which involves the capture of CO2 from hydrocarbon emission sources, 

e.g. power plants, the injection and storage of CO2 into deep geological 

formations, e.g. depleted oil reservoirs. The complexity in the structure of 

geological formations and the processes involved in this method 

necessitates the use of numerical simulations in revealing the potential 

problems, determining feasibility, storage capacity, and life span 

credibility. 
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Field K having 32o API gravity oil in a carbonate formation from southeast 

Turkey was studied. Field K was put on production in 1982 and produced 

until 2006, which was very close to its economic lifetime. Thus, it was 

considered as a candidate for enhanced oil recovery and CO2 

sequestration.  

Reservoir rock and fluid data was first interpreted with available well 

logging, core and drill stem test data.  Monte Carlo simulation was used to 

evaluate the probable reserve that was 7 million STB, original oil in place 

(OOIP). The data were then merged into CMG/STARS simulator. History 

matching study was done with production data to verify the results of the 

simulator with field data. After obtaining a good match, the different 

scenarios were realized by using the simulator.  

From the results of simulation runs, it was realized that CO2 injection can 

be applied to increase oil recovery, but sequestering of high amount of 

CO2 was found out to be inappropriate for field K. Therefore, it was 

decided to focus on oil recovery while CO2 was sequestered within the 

reservoir. Oil recovery was about 23% of OOIP in 2006 for field K, it reached 

to 43 % of OOIP by injecting CO2 after defining production and injection 

scenarios, properly.  

 

 

 

 

Keywords: Carbon Dioxide (CO2), Depleted Oil Reservoir, Sequestration, 

Enhanced Oil Recovery (EOR), Simulation, CMG/STARS  
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ÖZ 

 
 

KARBON DİOKSİTİN TÜKETİLMİŞ PETROL REZERVUARINA TECRİDİNDE   
PETROL ÜRETİMİNİN MODELLENMESİ 

 
 

PAMUKÇU, Yusuf Ziya 
 
 

Yüksek Lisans, Petrol ve Doğal Gaz Mühendisliği Bölümü 
 

Tez Yöneticisi: Prof. Dr. Fevzi GÜMRAH 
 
 

Ağustos 2006, 102 sayfa 
 
 
 

Endüstrinin gelişmesiyle birlikte atmosferde oluşan emisyon gazları miktarı 

kontrol edilemez bir şekilde artmakta ve neticede atmosferin ısınmasına ve 

küresel iklim değişikliğine sebep olmaktadır. Bundan dolayı, CO2 emisyonu 

çevre sorunlarında anahtar konu ve büyük problem durumundadır.   

Atmosfere salınan CO2 miktarını azaltmak için farklı çözümler önerilmiştir. 

CO2 tecridi bunlardan birisi olarak, CO2’nin termik santraller ve benzeri 

yerlerde kaynağında tutulması, taşınması ve tükenmiş petrol sahaları gibi 

derin jeolojik ortamlarda depolanmasını içermektedir. Jeolojik ortamların 

ve akış proseslerinin kompleks yapıya sahip olması nedeniyle, simulatör 

kullanımı depolama kapasitesi, fizibilite çalışmasının yapılması ve 

problemlerin çözümünde gereklidir. 
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Bu çalışmada Türkiye’nin güneydoğu bölgesinde 32o API gravite ile  

karbonat formasyonundan petrol üreten K sahası ele alındı. K sahası 1982 

ile 2006 yılları arasında petrol üretmiş ve artık ekonomik ömrüne çok 

yakındır. Bu yüzden petrol kurtarımı ve CO2 tecridi için uygun olabileceği 

düşünüldü.  

İlk olarak, sahaya ait kuyu logları, karot ve kuyu testleri değerlendirilip,  

rezervuar kayaç ve akışkan verileri elde edildi. Monte Carlo simulasyonu 

kullanılarak olası rezerv hesabı yapıldı ve yerinde petrol miktarı 7 MMSTB 

olduğu tahmin edildi. Elde edilen veri, CMG/STARS simülatörüne aktarıldı 

ve üretim verileri doğrultusunda tarihsel eşleştirme yapılarak simülasyon ve 

saha verisi arasındaki benzerlik ortaya konuldu. Saha verileri ile simulator 

sonuçları arasında başarılı bir eşleşme sağlandıktan sonra yeni senaryolar 

geliştirildi.  

Senaryolarda elde edilen sonuçlar K sahasının CO2 tecridine uygun 

olmadığını ancak petrol kurtarımı için elverişli olduğunu gösterdi. Bu 

nedenle petrol kurtarımı daha detaylı incelendi. 2006 yılına kadar yerinde 

petrol miktarının %23’ü üretilmiştir, bu tarihten sonra geliştirilen üretim ve 

enjeksiyon senaryolarıyla bu oran %43’e yükseltildi. 

 

 

 

 

 

Anahtar kelimeler: Karbon Dioksit (CO2), Tükenmiş Petrol Rezervuarı, Tecrid, 

Geliştirilmiş Petrol Kurtarımı (EOR), Modelleme, CMG/STARS. 
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CHAPTER 1 

INTRODUCTION 

 

Global warming is a term used to describe the observed increases in the 

average temperature of the Earth's atmosphere and oceans. The 

average global temperature rose 0.6 ± 0.2 °C over 150 years, and the 

scientific opinion on climate change is that it is likely that "most of the 

warming observed over the 20th century is attributable to human activities" 

[1,2].  

Factors that may be contributing to global warming are the burning of 

coal and petroleum products (sources of anthropogenic greenhouse 

gases (GHG) such as carbon dioxide, methane, nitrous oxide, ozone) and 

deforestation [3]. It is estimated that the global radiative forcing of 

anthropogenic carbon dioxide(CO2) is approximately 60% of the total due 

to all anthropogenic greenhouse gases so the climate change is mainly 

driven by emissions of CO2 [4]. 

The United Nations Framework Convention on Climate Change (UNFCCC) 

was opened for signature in 1992 by a majority of the world’s nations in 

response to global concern over human-induced climate change. A 

central, and often controversial, issue in these negotiations has been the 

use of terrestrial carbon sinks (e.g., forests, agricultural soils) to reduce CO2 

emission levels [5]. The 1997 Kyoto Protocol to the UNFCCC included 

provisions for industrialized nations to manage carbon sinks in order to 

meet specified emissions-reduction targets. Under the Kyoto Protocol to 

the UNFCCC, adopted in December 1997, industrialized nations target to 
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reduce their greenhouse gas emissions of an average of 6 to 8% below 

1990 levels between the years 2008-2012 [6]. 

Deep ocean and geologic sequestration are the only choices to dispose 

large amount of CO2 by safely and economically for long term periods. 

Geologic sequestration, a prospective technology to reduce large 

amount of CO2 released into the atmosphere, involves the capture of CO2 

from hydrocarbon emissions, transportation of compressed CO2 from the 

source to the field, and injection and storage of CO2 into the subsurface.  

Sequestration into depleted oil reservoirs, which are very close to their 

economic lifetime, has advantages when compared with other familiar 

projects. First of all, a structural trap has already been available in the 

reservoir to hold the injected CO2. Secondly, reservoir is well characterized 

in terms of porosity, permeability, faults and rock integrity. Usually the 

presence of core sample and seismic data with many others make easy 

to decide the capability of CO2 sequestration in a storage site. Thirdly, 

CO2 injection can be made through existing wells with very low 

economical burden. Some other wells may be used for monitoring the 

ongoing injection process. And generally, no additional cost is required to 

drill new wells. Finally and most importantly, there is an invaluable 

experience since the CO2 injection into oil reservoirs has been in practice 

for enhanced oil recovery (EOR) for more than 35 years [7]. 

Because oil reservoirs have known seal and because there is a regularity 

structure that has experience in permitting gas-injection operations, 

existing oil fields are likely to be first places for CO2 sequestration if is to be 

done at large scale [7]. Therefore; utilizing CO2 for EOR and sequestration 

processes not only reduces greenhouse emissions but also awards 

economical benefits. Here, it is important to realize that in CO2-EOR the 
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main purpose is to maximize oil recovery with the minimum quantity of 

CO2 while a maximum amount of CO2 is aimed to store in a sequestration.  

Thus, enhancing oil recovery in a sequestration is an optimization process 

that requires careful analysis. 

In this study, the compositional simulator (STARS) of CMG software was 

used to study the recovery and the ability of the selected oil field to 

accept and retain maximum amount of injected CO2 in a supercritical 

state for long periods of time within the reservoir. 
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CHAPTER 2 

LITERATURE REVIEW 

2.1 Effects of Greenhouse Gases on Climate Change 

Observations (Figure 2.1) show that global temperatures have risen by 

roughly 0.6 °C over the 20th century and most of the observed warming 

over the last 50 years is attributable to human activities.  Moreover, 

sensitivity studies and climate models referenced by the 

Intergovernmental Panel on Climate Change (IPCC) predict that global 

temperatures may increase by between 1.4 and 5.8 °C between 1990 

and 2100 [9].  

 

 

Figure 2.1 Changes in global mean surface temperatures since 1856 [9] 
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Water vapour, carbon dioxide, ozone, methane, nitrous oxide, and 

halocarbons and other industrial gases are the most important 

greenhouse gases affecting the global warming. Among these GHGs, the 

most prevalent of them is CO2. For instance, CO2 accounted for 82% of 

total U.S. GHG emissions from 1991 to 2000[8, 9]. Figure 2.2 indicates major 

greenhouse gases and their contribution to emission ratios in the U.S. in 

1990 and 1998 [8]. 

 

Figure 2.2 Greenhouse gases and their emissions in the U.S. between 1990 and 1998 [8] 

 

Table 2.1 gives CO2 emissions from the burning of the three principal 

carbon-based fossil fuels in different regions of the world in 1990 and 1998. 

It is obvious that emissions of carbon from the burning of fossil fuels 

increased by over 20% between 1990 and 1998, almost doubled in the 

Middle East and Far East/Oceania regions and significantly increased in 

U.S. It should be noticed that CO2 emissions from natural gas have been 

increasing since its usage have notably enhanced during last decades 

[10, 11]. 
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Table 2.1 World CO2 emissions (Mtc) by carbon-based fuels in 1990 and 1998 [10] 

 

 

The increase in global temperatures is expected to result in other 

changes, including rises in sea level and changes in the amount and 

pattern of precipitation. These changes may increase the frequency and 

intensity of extreme weather events, such as floods, droughts, heat waves, 

and hurricanes. It may cause higher or lower agricultural yields, glacier 

retreat, reduced summer stream flows, and contribute to biological 

extinctions. Tide gauge data show that global average sea level rose 

between 0.1 and 0.2 meters during the 20th century and global ocean 

heat content has increased since the late 1950s [5, 8]. 

The international community is working together to minimize these risks. 

Kyoto Protocol is the world's primary international agreement on 

combating climate change.  Under the Kyoto Protocol to the UNFCCC, 

ratified in December 1997, Annex I parties (mostly Organization for 

Economic Cooperation and Development Countries) are to reduce their 

greenhouse gas emissions at least 5% below the 1990 level by the period 

of 2008-2012. Such commitments are important first steps, but they will 

make only a small contribution towards the ultimate goal of stabilizing 

greenhouse gas concentrations in the atmosphere. Stabilizing carbon 
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dioxide concentrations at 450 ppm (some 23% above current levels) 

would require global emissions to drop below 1990 levels within a few 

decades. Stabilizing CO2 at 650 ppm or 1,000 ppm would require the 

same emissions decline within about one century or two centuries [5, 12]. 

Although Turkey has not already ratified to the convention and Kyoto 

Protocol, Turkey has also accepted the objectives of protocol. Thus, Turkey 

is responsible for the stabilization of greenhouse gases at 1990 level and 

provides technical and financial support to the developing countries 

since it is a member of OECD where it is placed in Annex I countries [13, 

14]. 

IPCC defines carbon dioxide (CO2), methane (CH4) and nitrous oxide 

(N2O) as direct greenhouse gases and nitrogen oxides (NOx), carbon 

monoxides (CO), nonmethane volatile organic compound (NMVOC), 

hydrofluoro carbons (HFCs), perfluorocarbons (PFCs), sulphur hexafluoride 

(SF6) and sulphur dioxide (SO2) as indirect greenhouse gases. Direct 

greenhouse gas emissions as CO2 equivalents were estimated as 68.25 

million tonnes in 1970, as 200.7 million tonnes in 1990 and as 271.2 million 

tonnes in 1997 and in 2010 direct greenhouse gas emissions will be 

estimated to reach 567 million tonnes in Turkey (Figure 2.3) [13].  



8 

0

100.000

200.000

300.000

400.000

500.000

600.000

1970 1975 1980 1985 1990 1992 1995 1997 2000 2005 2010

Years

G
a
s
 e

m
is

s
io

n
s
, 

m
il

li
o

n
 t

o
n

n
e

s

Carbon dioxide (CO2)

Methane (CH4)

Nitrous oxide (N2O)

 

Figure 2.3 Direct greenhouse gas emissions between 1970 and 2010 in Turkey [13] 

 

It is obvious that CO2 is the main contributor of the greenhouse effect. In 

1990, 88.7 % of total greenhouse gas emissions were CO2 and the ratio of 

CO2 emissions among the total direct greenhouse gas emissions has a 

tendency to increase to 94.5 % in 2010 (Table 2.2) [13]. 
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Table 2.2 Direct greenhouse gas emissions by sectors between 1990 and 2010 in Turkey (%) 

[13] 

 

 

In conclusion, a better mitigation of global warming, thus, include 

effectively usage of energy, changing energy scheme from carbon-

based fossil fuels to alternative energy sources and carbon capture and 

storage for sequestration.  
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2.2 CO2 Sequestering in Underground Geological Media 

Geological sequestration is a way to reduce large amount of CO2 

released into the atmosphere from petroleum developments as well as 

other stationary sources including fossil-fired power plants. Sequestration 

process is composed of separating CO2 by chemical and physical 

absorption, cryogenic or membrane methods, dehydrating, compressing, 

transporting and injecting into well. In order to predict the movement of 

CO2 in the reservoir (depleted oil and gas fields, aquifers and coal beds) 

and to ensure that CO2 is retained there, reservoir simulations and 

geophysics studies are done [15]. 

2.2.1 The Capture and Transportation of CO2 

The key issue Under the Kyoto Protocol is the capturing of CO2. Although 

technologies for capture of CO2 exist already today, there are neither 

developed nor optimized for these purposes and they are expensive [16]. 

CO2 can be removed from gas streams by physical or chemical 

absorption.  

Chemical absorption is chosen for low to moderate CO2 partial pressures. 

Because CO2 is an acid gas, chemical absorption of CO2 from gaseous 

streams such as flue gases depends on acid base neutralization reactions 

using basic solvents. Most common among the solvents in commercial use 

for neutralizing CO2 are alkanolamines such as monoethanolamine (MEA), 

diethanolamine (DEA), and methyldiethanolamine (MDEA). Other 

chemical solvents in use are ammonia and hot potassium carbonate. CO2 

reacts with chemical solvent to form a weakly bonded intermediate 

compounds, which are then broken down by the application of heat, 
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regenerating the original solvent for reuse and producing a CO2 stream. 

This process is called separation of CO2 by chemical absorption [17].  

CO2 is physically absorbed in a solvent according to Henry’s law (i.e., they 

are temperature and pressure dependent with absorption occurring at 

high pressures and low temperatures) and then regenerated using either 

or both heat or pressure reduction in which little or no energy is required. 

Physical absorption are used when the concentration (i.e., partial pressure 

of CO2) is high (>525 kPa)[17].  

On the other hand, cryogenic technologies are high pressure but low 

temperature physical approach in which CO2 is separated directly by 

condensing or by using a solvent such as a C4 hydrocarbon. This 

technique is advantageous since geological disposal requires CO2 to be 

at high pressure [15]. 

CO2 can be transported to the injection site by pipelines or tanks. 

In pipeline transportation, the best working condition is to retain CO2 at 

pressure higher than its critical pressure that is 7.4 MPa therefore CO2 

pipeline is usually operated at pressure between 8 and 17 MPa. In order to 

transport CO2 in a pipeline it must be compressed at pressures above 8 

MPa to achieve a single phase flow. By running the system with CO2 in this 

situation problems associated with the two phase flow are prevented in 

the subsequent pipeline and injecting stages [15]. Suitable operating 

pressure and temperature lies in between 8,619 kPa at 4 oC and 15,300 

kPa at 38 oC. These limits are set by the ASME-ANSI 900# flange rating and 

ambient condition coupled with the phase behavior of CO2 [18]. 
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Transporting CO2 in the tanks by both truck and rail was used to be 

considered more expensive than pipeline. However, according a recent 

study shipping CO2 by customized LPG gas vessels is more flexible and less 

costly [19]. LPG is carried from offshore oilfield to the onshore terminal. 

Vessels are unloaded and replaced with industrial exhausted CO2. After 

returning to the offshore field, CO2 is injected and stored in the geological 

reservoirs [15]. Another point is that, tankers carrying dry ice or supercritical 

liquid carbon dioxide may be more economic than pipelines for ocean 

disposal at distances greater than about 300 km from shore, as pipelines 

require depressurization at regular intervals. The distance that the carbon 

dioxide is to be carried does not considerably affect the costs of 

transporting CO2 by tanker [20]. 

2.2.2 CO2 Storage options in Underground Medium 

After recovering CO2 in an energy conversation process, it should be 

stored in such a way that emission into atmosphere is not possible or at 

least greatly delayed. Other than storing in algae and deep oceans, 

considering underground storage, rock and salt cavities, aquifers, 

depleted natural gas and oil fields and coal beds can be mentioned as 

storage places [21]. 

2.2.2.1 Nonporous Medium 

2.2.2.1.1 Deep Ocean (Hydrates) 

Oceans are the largest sinks available for carbon dioxide since they cover 

approximately 70% of the Earth’s surface.  Ocean disposal is the interest 

for the countries which are with coastal zones and access to ocean 
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depths of greater than 3000 m since transportation costs rise with distance 

traveled [20].  

Disposal of carbon dioxide to ocean is involved as the following [22]:   

• Dry ice is discharged to the ocean surface from a ship. 

• Then, liquid CO2 is injected at a depth of about 1000 m via a pipe 

towed by a moving ship and forming a rising droplet plume. 

• Liquid carbon dioxide is injected at a depth of about 1000 m from 

a manifold lying on the ocean bottom and forming a rising droplet 

plume. 

• To form sinking bottom gravity current, a dense carbon dioxide-

seawater mixture is created at a depth of between 500 and 1000 

m. 

• Introducing liquid carbon dioxide to a sea floor depression, it forms 

a stable ‘deep lake’ at a depth of about 4000 m. 

2.2.2.1.2 Salt Cavern  

Salt caverns are appropriate for storing CO2 permanently (more than 1000 

years) or temporarily (decades) even though it has low priority among 

carbon sequestration techniques. Regardless of the cost and other 

potential environmental issues related to cavern mining, advantages of 

storing into salt caverns are [23]: 

• The rate of filling or emptying of salt caverns is not limited by porous 

media flow capabilities. 

• Storage sites where other appropriate unfractured geological sites 

are not easily found can be provided by salt strata.  
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• Storing CO2 in shallow, cool salt caverns in supercritical form 

provides more storage capacity than storing CO2 in solution, as a 

free gas, or through adsorption onto coal or oil shale. 

• The accessibility and availability in pure form at any future time.  

2.2.2.2 Porous Medium 

Aquifers, depleted oil or gas reservoirs and coal beds are considered as 

geological structures for CO2 to be stored. Underground storage follows 

three major steps independent of the choice of host formation [16]: 

• The injected CO2 dissolves and diffuses in oil and water and flows 

according to the existing pressure gradient in the porous medium 

(hydrodynamic trapping).  

• Later, CO2 reaches thermal equilibrium in all fluid phases (gas, 

water and gas) depending on fluid, pressure and temperature 

conditions (solution trapping). 

• Then the dissolved CO2 reacts with the minerals within the 

formation and induces dissolution/precipitation reactions (mineral 

trapping). 

The capacity of a reservoir to store CO2 depends on the parameters such 

as size of the reservoir, effective porosity, the net fraction of the reservoir 

that can be filled, and the density of the CO2. The storing capacity in 

aquifers is more equally spread over the world whereas in natural gas 

fields and oil fields are not [21].  
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World subsurface estimates of CO2 storage capacities are given in Table 

2.3. Estimates are large enough to suggest that there is sufficient capacity 

to store a major fraction of expected CO2 emissions through 2030 and 

beyond. CO2 emissions are currently about 24 GtCO2/yr (1 GtCO2= 1 

billion metric tons of CO2), and if the rise in emission were roughly linear, 

then the total emissions would be about 1300 GtCO2 for the period from 

2000 to 2030. Therefore, the capacity of geologic formations is sufficient to 

store CO2 at significant level [7].  

 

Table 2.3 Estimated storage capacities of geologic formations (GtCO2) [7] 

 

 

2.2.2.2.1 Aquifer (deep saline) 

Since aquifers are considered to be most widely available, there is high 

potential to find a suitable aquifer with large capacity or close to CO2 

source. The structure and the interconnection of the pores provide flow of 

gases or fluids through the bed. An aquifer is suited for underground 

storage of gases or liquids since it is a reservoir with porosity, permeability 

and a sealing cap rock [21]. 

Without raising aquifer pressure to a large extent, CO2 can be injected to 

aquifers with large volumes. After the injection, CO2 will dissolve in the 

brine and cause brine/CO2 mixture denser than the brine alone. Dissolving 

furthermore, fresh brine is brought in contact with the CO2 phase. It is 
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estimated that hundreds to thousands of years will be required to dissolve 

all the CO2, trapping much of the CO2 [26]. 

2.2.2.2.2 Depleted Oil and Gas Reservoirs 

Presently, policy for reducing the amount of CO2 in the atmosphere is 

sequestration of carbon dioxide in depleted oil reservoir. On the other 

hand, CO2 sequestration in oil reservoirs is a complex issue covering a 

broad scope of scientific, technological, economic, safety, and regularity 

issue [27]. 

The reasons why oil and gas reservoirs are attractive targets for CO2 

sequestration can be listed as: 

• Structural traps which have contained the oil or gas over 

geological timescales should be able to contain carbon dioxide, 

assuming increased pressure does not create any new pathways to 

the surface or through the extraction process. 

• The geologic structure and physical properties of most oil and gas 

fields have been significantly described. 

• Computer models have been utilized in order to forecast the 

displacement behavior and trapping of CO2 for EOR [20].   

• The reservoir will not be environmentally degraded by the CO2, as 

the reservoir has already contained hydrocarbons. 

• While some production wells may be converted to gas injection 

wells, the others may be used to monitor the behavior of the CO2 

within the reservoir. CO2 sequestration plan can be adopted for to 

improve oil production, if the field is still producing [16]. 
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2.2.2.2.3 Enhanced Coal Bed Methane (ECBM) 

By adsorbing, a coal stores CO2 while desorbing the methane as free gas 

for recovery. Volume of CO2 adsorbed by coal is twice as much as 

methane. Since permeability of coal bed is low, CO2 injectivity is generally 

low. Consequently it requires both reservoir treatment and larger number 

of wells [15]. 

Unlike in oil, gas reservoirs and aquifers, deep unmineable coal beds offer 

a different storage mechanism, the same mechanism that is the source of 

coal bed methane. CH4 or CO2 are adsorbed on the surfaces of coal 

particles at high pressure. According to the adsorption curve hysterics, 

once CO2 is adsorbed, a large amount of it will remain as adsorbed even 

if the pressure is reduced later. CO2 can be used to enhance CH4 

recovery since the flow in coal beds occur primarily in the fracture 

network, diffusing into matrix blocks and replacing adsorbed CH4 [28-29].  

2.2.3 Cost of CO2 Sequestration 

CO2 sequestration economy includes three distinct phases: capture of the 

CO2 from the source followed by dehydration and compression, 

transportation to the storage site and injection and storage of the CO2 in 

the geological reservoir.  

CO2 capture costs are relatively high. Typical cost ranges for CO2 removal 

from the exhaust gas of power plants with amines  are in the range of 40–

60 $/tCO2 avoided for pulverized coal fired single cycle (PC) and 30–70 

$/tCO2 avoided for natural gas combined cycles (NGCC). However, 

capture costs can be minimized by utilizing exhaust gas streams with high-

purity CO2, which are emitted by several industrial processes [30].  
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The cost of transport is low compared to other costs. Transport costs vary 

between 1 and 3 $/tCO2 per 100 km of pipeline [28]. Transportation costs 

can be minimized if the reservoir is close to the carbon emission sources. 

Geologic storage costs depend on the reservoir type and local 

geological conditions. For aquifers and gas reservoirs (on- and offshore) 

storage costs vary between approximately 1 and 15 $/tCO2. If oil and gas 

recovery is enhanced by the injection of CO2 into oil/gas reservoirs or 

deep unminable coal seams, storage costs can be decreased to small (or 

even negative) by generating oil/gas revenues [31]. 

2.3 Oil Recovery by CO2 Injection 

CO2 injection into oil reservoirs which are close to the end of their 

economic lifetime, to enhance oil recovery (CO2-EOR) is successfully 

applied in several ongoing commercial projects in the world.  CO2 is 

sequestered through the injection well into immobile oil and empty pores 

and oil, water and CO2 are produced at the production well. These 

components are separated and the CO2 is compressed and recycled to 

the injection well. It is important to realize that in a CO2-EOR project, the 

ultimate goal is to maximize oil recovery with a minimum injection quantity 

of CO2, which might be contradictory with the purpose to maximize CO2 

sequestration. 

About 84 commercial CO2-EOR operations are ongoing in the USA, 

Canada, Hungary, Turkey and Trinidad. 200,000 barrels (bbl) of oil per day 

is produced, a small but significant fraction (0.3%) of the 67.2 million bbl 

per day total of world-wide oil production in 2004 [30].  
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2.3.1 Miscible vs. Immiscible CO2 Flooding 

CO2 sequestration can be achieved within producing oil reservoirs by 

miscible and immiscible gas displacement during EOR projects. 

Two fluids are miscible when they can be mixed together in all proportions 

and all mixtures remain single phase [32]. For miscible flooding to be a 

competitive process in a given reservoir, several conditions must be 

satisfied: an adequate volume of CO2 must be available at a rate and 

cost that will allow favorable economics, the reservoir pressure required 

for miscibility between the solvent and oil in question must be attainable, 

and incremental oil recovery must be sufficiently large and timely for 

project economics to withstand the added cost. 

The miscibility of CO2 in the oil phase is the key factor that determines the 

efficiency of EOR with CO2 injection. At pressures greater than the 

minimum miscibility pressure (MMP), oil and CO2 are mutually soluble. The 

dissolved CO2 reduces the viscosity of the oil and also causes swelling of 

the oil phase. Thus, CO2 injection projects are preferred for oil with density 

ranging from 29o to 48o API (882–788kg/m3) and reservoir depths from 760 

to 3700m [33]. Although injected CO2 is not first-contact miscible with the 

oil, as CO2 flows, it extracts certain hydrocarbon components from the oil 

such that the enriched CO2 may become miscible in the oil (multi-contact 

miscibility). 

Holm and Josendal [34] reached the following conclusions from an 

experimental study of factors affecting CO2 miscibility pressure: 

• Dynamic miscibility occurs when the CO2 density is sufficiently great 

that the dense gas CO2 or liquid gas CO2 solubilizes the C5-through-

C30 hydrocarbons contained in the reservoir oil. 
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• Reservoir temperature is an important variable affecting MMP. A 

higher temperature results in a higher miscibility pressure 

requirement, if the other factors are remaining equal. 

• MMP is affected by the molecular weight distribution of the 

individual C5-through-C30 hydrocarbons in the reservoir oil. 

• MMP also is affected but to a much lesser degree by the type of 

hydrocarbons present in the C5-through-C30 fraction. For example, 

aromatics result in lower miscibility pressure. 

• The presence of methane in the reservoir oil does not change the 

MMP appreciably. 

Many MMP correlations are proposed for gas-injection processes, but a 

simple estimate of the miscibility pressure as a function of reservoir 

temperature, molecular weight of the crude oil and mole percentage of 

methane and nitrogen is as follows [35]. 

)(0015279.0)MWC50.0011038(0.744206

resmdmp
1)(T 15.988  P CY++

+

=    2.1 

where; 

Pmdmp         : predicted minimum dynamic miscibility pressure, psia 

Tres           : reservoir temperature, oF 

MWC5+  : molecular weight pentanes and heavier fractions 

YC1                 : mole percentage of methane and nitrogen 
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2.3.2 Carbon Dioxide as a Displacement Fluid 

Oil displacement strongly depends on factors, which are related to the 

phase behavior of CO2 – crude oil mixtures.  

CO2 is compressed to a supercritical state in order to avoid the separation 

of CO2 into gas and liquid phases during transportation and injection 

processes. At normal atmospheric conditions, CO2 is a thermodynamically 

very stable gas with a 50% greater density than air. The phase diagram of 

pure CO2 shows a critical temperature of 31°C and a critical pressure of 

7.4 MPa (1074 psi) (Figure 2.4). Below this temperature and/or pressure the 

CO2 is either in a liquid or vapor phase and above the critical values the 

pure CO2 is in supercritical state. At these pressure and temperature 

conditions, CO2 behaves still like a gas by filling all the available volume, 

but has a ‘liquid’ density that increases, depending on pressure and 

temperature, from 200 to 900 kg/m3 (Figure 2.5). This is related with the 

phase change from gas to supercritical fluid. Consequently, CO2 occupies 

much less space in the subsurface than at the surface. One tonne of CO2 

at a density of 700 kg/m3 occupies 1.43 m3, or less than 6 m3 of rock with 

30% porosity if 80% of the water in the pore space could be displaced. At 

0 oC and 1 atm, 1 tonne of CO2 occupies 509 m3 [36]. 

The viscosity of CO2 (Figure 2.6) is a strong function of pressure and 

temperature. As pressure increases at a constant reservoir temperature, 

gas viscosity increases. So CO2 has considerably stronger sweep efficiency 

[38]. 
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Figure 2.4 Phase diagram of CO2 [37] 
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Figure 2.5 Variation of CO2 density as a function of temperature and pressure [38] 

 

Figure 2.6 Variation of CO2 viscosity as a function of temperature and pressure [38]  
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2.3.3 Oil Recovery Mechanisms by CO2 Injection 

Whether it can be carried out as a miscible or as an immiscible gas 

displacement and regardless of how it is applied in the field, following 

mechanisms play a role in the oil recovery by CO2 flooding [34]: 

• Reduction of oil viscosity: A large reduction in the viscosity of crude 

oils occurs as they become saturated with CO2 at increasing 

pressures. As pointed out in the literature, a larger percentage 

reduction occurs in the viscosity of the more viscous crude so the 

mobility ratio increases. 

• Oil swelling: CO2 promotes swelling. The high solubility of CO2 in 

hydrocarbon oil causes these oils to swell. However, the difference 

between the solubility of CO2 in gas saturated reservoir oil and in 

stock-tank oil, with the subsequent difference in the degree to 

which the resultant oils to swell, has received less attention. 

• Increase in oil density: CO2 has an effect on the water or brine that 

is present in the reservoir when displacement processes are in 

operation. There is some expansion of water when CO2 is injected; 

the densities of the oil and water become closer to each other, 

which lessen the chances for gravity segregation of these fluids 

and the resultant overriding of the CO2 -water mixture. 

• Extraction and vaporization of oil: CO2 can vaporize and extract 

portions of crude oil. This occurs at low temperatures where CO2 is 

a liquid, as well as at higher temperatures above the critical, 89 oF. 

• Miscibility effects: CO2 is highly soluble in water and in hydrocarbon 

oils. 
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• CO2 reduces the interfacial tension between water and oil. 

• Increase in the injectivity (acidic effect): the acidic effect of CO2 

on the rock has been shown to increase the injectivity of water by 

direct action a carbonate portions of the rock and by stabilizing 

action on clays in the rock. 

The mechanisms, which have been listed above, are more or less 

important depending on whether the CO2 displacement is miscible or 

immiscible. For example, the vaporization of crude oil, development of 

miscibility, and reduction of interfacial tension are very important with the 

miscible CO2 process, whereas reduction of crude oil viscosity and its 

swelling are more important effects with the immiscible CO2 displacement 

[34]. 

2.3.4 Ongoing CO2 projects 

There exists numbers of commercial and research CO2 storage projects 

(Figure 2.7). Industrial scale projects (projects in the order of 1 MtCO2 yr-1 

or more) are the Sleipner project in the North Sea, the Weyburn project in 

Canada and the In Salah project in Algeria. About 3–4 MtCO2 that would 

otherwise be released to the atmosphere is captured and stored annually 

in geological formations. Additional projects are listed in Table 2.4. In 

addition to the Carbon Capture and Storage (CCS) projects currently in 

place, 30 MtCO2 is injected annually for EOR, mostly in Texas, USA, where 

EOR commenced in the early 1970s. Most of this CO2 is obtained from 

natural CO2 reservoirs found in western regions of the US, with some 

coming from anthropogenic sources such as natural gas processing. 

Much of the CO2 injected for EOR is produced with the oil, from which it is 

separated and then reinjected. At the end of the oil recovery, the CO2 
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can be retained for the purpose of climate change mitigation, rather 

than vented to the atmosphere. This is planned for the Weyburn project 

[39]. 

 

Figure 2.7 Location of sites where activities relevant to CO2  storage are planned or under 

way [39] 

 

Table 2.4 Current and planned carbon capture and storage projects [39] 
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2.3.4.1 Batı Raman Immiscible CO2 Flooding Project 

There exists few numbers of immiscible displacement projects. Batı Raman 

oilfield, in southeast Turkey, is the only large-scale project that uses 

immiscible flooding. The oilfield contains heavy oil with very low gravity of 

12° API and high viscosity of 592 cp. Primary oil recovery was 2% of the 

OOIP. With the injection of CO2 coming from a nearby natural reservoir 

(Dodan), commenced in 1986, 6000 barrels of oil per day are produced. 

Moreover, it has been estimated that 12% of OOIP will be recovered by 

EOR. By the end of 2003, Batı Raman cumulative oil production was 86,8 

million barrels, where 50,8 million barrels came from CO2 injection 

secondary recovery process. In 2003, 470,9 million m3 CO2 was injected, 

378,6 million m3 of this amount was produced back, and 171,3 million m3 

of this produced gas was re-injected into the reservoir [40-41]. 
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CHAPTER 3 

STATEMENT OF THE PROBLEM 

 

The increase in atmospheric carbon dioxide (CO2) concentration resulting 

from anthropogenic sources is an important environmental issue. 

Sequestration in geological formations is one the proposed solutions for 

removing greenhouse emissions from the atmosphere and in most of the 

cases CO2 forms a considerable percentage of these greenhouse gases. 

The presence of abundant well data and economic benefits through 

enhanced oil recovery (EOR) make easy to decide the capability of CO2 

sequestration in depleted oil reservoirs. 

In Turkey, TPAO has an experience on CO2 injection for oil recovery. But 

the sequestration of CO2 has not been planned yet. Turkey is a growing 

country and becoming industrialized one in near future. Turkey has 

accepted the objectives of Kyoto protocol, thus, Turkey is responsible for 

stabilizing of greenhouse gases below 1990 levels. 

From this point of view, in order to develop a CO2 sequestration project, 

the compositional simulator (STARS) of CMG software will be used to 

investigate CO2 storage and flooding potential of a depleted oil reservoir 

located in the southeast of Turkey. History matching will be utilized to verify 

simulation data with the actual field one. Different scenarios will be 

developed to maximize amount of CO2 stored while obtaining ultimate oil 

recovery at the same time. 



29 

CHAPTER 4  

METHOD OF SOLUTION 

 

Carbon dioxide injection into the subsurface is a multiphase multi-

component flow process. Since the structure of the geological formations 

are highly complex , numerical simulations are needed to predict the 

movement of CO2 in the reservoir, the storage capacity of the reservoir, 

and to ensure that CO2 is retained within the reservoir during CO2 

sequestration. Therefore, CO2 injection into the Field K was modeled by 

using Computer Modeling Group’s STARS simulator. SURFER provided by 

Golden software was used to obtain porosity, saturation and thickness 

maps. Drill stem test (DST) data was interpreted by the help of SAPHIR 

software to acquire initial reservoir properties. Probabilistic reserve 

calculations were done by @RISK simulator. History matching was done to 

validate the simulator data at the end of data preparation for STARS 

simulator.   

4.1 Softwares Utilized 

4.1.1 STARS Simulator by CMG 

STARS, CMG's full featured advanced processes reservoir simulator, 

models the flow of three-phase, multi-component fluids. It models in one, 

two, or three dimensions, including complex heterogeneous faulted 

structures. STARS is a comprehensive numerical reservoir simulation tool 

that models steam flood, steam cycling, steam-with-additives, dry and 
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wet combustion, along with many types of chemical additive processes, 

using a wide range of grid and porosity models in both field and 

laboratory scale [42]. 

STARS incorporates CMG's advanced Well/Production Management 

module, as well as specialized well features to model complex reservoirs. 

These features account for wellbore cross flow and/or multi-lateral 

horizontal wells. STARS couples directly to a sophisticated surface facilities 

program, to model dry or wet gas flow from the reservoir, through a 

complex surface network facility, to the gas plant [42]. 

STARS models multiple PVT and equilibrium regions as well as multiple rock 

types and has flexible relative permeability choices. Regardless of the size 

or complexity of your reservoir problem, STARS is an effective tool for a 

broad range of reservoir management issues including [42]: 

• Primary depletion and EOR predictions of undersaturated and 

saturated reservoirs performing below bubble point, 

• Coning studies,  

• Reservoir performance under surface constraints, 

• Secondary recovery; water flood and gas injection,  

• Enhanced recovery; miscible and pseudo-miscible injection and 

WAG) processes,  

• Gas deliverability and forecasting,        

• In-situ generation and flow of emulsions and foams (including 

foamy oils) and in-situ precipitation of waxes and asphaltenes. 
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4.1.2 SURFER by Golden Software 

Surfer software is used to interpolate reservoir physical properties over the 

field using gridding methods. Surfer is a contouring and 3D surface 

mapping and plotting program that runs under Microsoft Windows. Surfer 

quickly and easily converts your data into outstanding contour maps and 

surface plots. And with all the options available in Surfer, the maps can be 

customized to produce exactly the presentation you want [43].  

While processing data that has been inputted, the software uses may 

gridding methods: Inverse Distance to a Power, Krigging, Minimum 

Curvature, Nearest Neighbor, Polynomial Regression, Radial Basis 

Functions, Shepard’s Method, Triangulation w/Linear Interpolation. Among 

those may method, Krigging method was used in reservoir 

characterization process [43]. 

4.1.3 SAPHIR by Kappa Engineering 

Saphir, a well test interpretation software, is known for the ease of use, 

advanced features and fast, helpful technical support, Saphir provides 

users very important data from well tests(buildup or drawdown) like 

permeability, initial pressure, and skin factor [44].  

4.1.4 @RISK by Palisade Corporation 

@RISK is the Risk Analysis and Simulation add-in for Microsoft Excel. As an 

add-in, @RISK becomes seamlessly integrated - via a new toolbar and 

functions - with your spreadsheet, adding Risk Analysis to your existing 

models. @RISK uses a technique known as Monte Carlo simulation to allow 

you to take all possible outcomes into account. Simply replace uncertain 
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values in your spreadsheet model with @RISK functions to represent a 

range of possible values [45]. 

 4.2 History Matching 

History matching is a way of verifying the accuracy of prepared simulation 

data with the actual field data. It is necessary to acquire model input 

data, especially the history of field performance. One of the essential 

tasks of the data verification stage is to determine which data should be 

matched during the history matching process. If a gas-water reservoir is 

being modeled, gas rate is usually specified and water production is 

matched. By contrast, if an oil reservoir is being modeled, oil rate is 

specified and water and gas production are matched. Data acquisition is 

an essential part of model initialization. Model initialization is the stage 

when the data is prepared in a form that can be used by the simulator. 

The model is considered initialized when it has all the data it needs to 

calculate fluids in place [46]. 
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CHAPTER 5  

FIELD DESCRIPTION 

 

Field K, shown in Figure 5.1, is located in Southeast Turkey. The alternating 

layers of sands and shales deposited in deltaic and marine carbonates 

form a faulted anticline structure extending over an area of 2.70 km by 

0.75 km. It has been on production since 1982. The light crude is produced 

from the carbonate formation D at an average depth of 1930 m to 1950 

m with an average thickness of 25 m to 155 m. Primary drive mechanism is 

water drive. The reservoir zones contain 7 MMSTB (1,112,911 sm3) of OOIP. 

Approximately 25% of the initial oil in place has been produced with the 

support of water drive and its natural aquifer. The average reservoir 

permeability is approximately 60 md with tighter zones at the top and the 

bottom. The average reservoir porosity is approximately 25% and water 

saturation is 25%. The reservoir crude oil gravity is 32o API, with an average 

solution gas/oil ratio of 13 scf/stb. The original reservoir pressure was 2520 

psi(17375 kPa) and temperature 64 oC (148 oF) at 1950 m. The current 

reservoir pressure of 1740 psi is above the bubble point pressure of 50 psi. 

Original oil formation volume factor is 1.030 bbl/stb and the average oil 

viscosity is approximately 5 cp. Sulfur content of the mixture is 1.1 wt%. 

Table 5.1 summarizes general reservoir rock and fluid properties [41]. 

Following the first discovery in 1982, 8 additional wells were drilled. But 6 

wells are abandoned due to high water production. Higher water 

production and water cut values show an active aquifer system which lies 

at the bottom of the reservoir with an average 18% porosity and 22 md 

permeability [41]. 
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Figure 5.1 Top of formation D structural contour map of field K 
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Table 5.1 Summary of field properties 
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CHAPTER 6  

RESULTS AND DISCUSSION 

6.1 Evaluation of General Reservoir Characteristics 

6.1.1 Reservoir Pressure and MMP 

Pressure is one of the most important factors in determining CO2 miscibility 

in oil. Initial reservoir pressure of Field K was obtained by analyzing the drill 

stem test (DST) taken at the depth of reservoir zone. A drill stem test (DST) 

provides a means of estimating formation and fluid properties. DST data 

was interpreted by using SAPHIR program. Static reservoir pressure was 

calculated as 2520 psi (17375 kPa) at the depth of 1230 m (subsea) 

(Appendix A.1). 

CO2 is not first-contact miscible fluid with oil, but as CO2 flows through the 

deeper parts of the reservoir, it extracts certain light hydrocarbon 

components from the oil such that the enriched CO2 may become 

miscible in the oil, called as multi-contact miscibility. The minimum 

miscibility pressure (MMP) is highly dependent on depth, temperature, 

and crude oil composition. The minimum miscibility pressure was 

determined by conducting slim tube experiments , but due to absence of 

laboratory analysis, correlations were utilized to estimate MMP of Field K. 

MMP of CO2 for Field K was found as 2150 psi (13690 kPa) (Appendix A.2). 

After primary depletion of Field K, the current reservoir pressure is 1770 psi 

(12200 kPa), which is below the MMP. But with the injection of CO2 multi-
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contact miscibility can be achieved while the reservoir is repressurizing 

with time. 

6.1.2 Porosity and Water Saturation  

Porosity, the void space within rock that can hold fluid, is the fundamental 

contributor to reservoir storage capacity so it is a critical parameter in a 

CO2 sequestration project. On the other hand, knowing the saturation 

profile within the reservoir is an important data for the application of oil 

recovery techniques. Well logging is a well-known technique used to 

evaluate formations in the oil and gas industry. Rock and fluid properties 

of the formation are recorded to find hydrocarbon zones in the 

geological formations by a wireline lowered into the well. An 

interpretation of these measurements is then made to locate and quantify 

potential depth zones containing hydrocarbons [47]. 

Core data was first used to get porosity-cut off value of the field. This value 

was found out to be 7% by interpreting the graph of liquid permeability vs. 

porosity (Figure 6.1). Effective water saturation cut-off value was taken 

from TPAO as 50%. 
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Figure 6.1 Porosity vs. liquid permeability from core data 

 

Available gamma ray, sonic, density neutron and resistivity  logs from wells 

were interpreted to evaluate the formation properties of Field K. Using 

gamma ray log records, formation clay type and boundaries of each 

zone were found. Using sonic log data together with neutron and density 

logs, effective porosities and lithology of formations for each well were 

determined. Resistivity logs were interpreted to find oil and water 

saturations so that the hydrocarbon bearing zones are located.  

Lithology and rock properties of each zone are tabulated below (Table 

6.1). Zone B is the only productive zone when taking porosity and water 

saturation values into account. Average reservoir porosity and water 

saturation are both found as 25%. Zone C can be regarded as the aquifer 

region since it has high water saturation.  Appendix A.3 gives details of 

well logging interpretation results. 
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Table 6.1 Summary of well logging interpretation, field K 

 

 

These calculated values were then distributed throughout the reservoir by 

the help of SURFER program with the option of krigging method (Figure 6.2, 

6.3 and 6.4).  
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Figure 6.2 Porosity map of zone B, fraction  

 

 

Figure 6.3 Water saturation map zone B, fraction 
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Figure 6.4 Thickness map of zone B, m 

6.1.3 Permeability  

Permeability, the ease at which fluid flows through a rock, determines the 

fluid dynamics of the reservoir. High permeability will allow high injection 

rates for CO2 into a single well. High permeability will also allow CO2 to 

move out more quickly within the reservoir, which is also favorable to 

sequestration.   

Core data and DST results were two options to obtain the permeability of 

the reservoir rock. DST analysis was done by the help of SAPHIR program 

and permeability was calculated as 56 md for zone B (Appendix A.1). 

Permeability of zone B was also obtained from core data as 60 md. Both 

DST and core date gave similar results. Since the core data is more 

reliable and it was taken from the different locations of the field, 

permeability map data of the field was generated by the relation (Figure 

6.1) between porosity and liquid permeability acquired from core data 

and with the help of SURFER program (Figure 6.5).  
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Figure 6.5 Permeability map of zone B, md  

6.1.4 Relative Permeability 

Relative permeability is defined as the permeability of one phase relative 

to another when two or more fluids flowing together. It is an important 

factor since it determines the mobility ratio and the injectivity of the CO2 in 

a CO2 sequestration process. 

The relative permeability for simultaneous flow of oil and water as well as 

liquid and gas should be defined carefully.  Relative permeability of oil 

and water, already obtained from the core analysis, was correlated 

during history matching run by trial-and-error approach. Unfortunately, 

there was no liquid and gas relative permeability data. Thus, gas relative 

permeability curve was generated by CMG/STARS’s corresponding 

relative permeability correlation tools. It is assumed that the curves are the 

same for drainage and imbibitions. The capillary pressure among the oil, 

water and CO2 are neglected for this study. Figures 6.6 and 6.7 are water 

and gas relative permeability curves, respectively. 
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Figure 6.6 Relative permeability curves for oil and water, field K 

 

 

Figure 6.7 Relative permeability curves for oil and gas 
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6.2 Reserve Estimation 

After obtaining reservoir rock and fluid properties, the next stage was the 

reserve estimation of the field. Reserve estimation can be done by 

volumetric and probabilistic approach. Original oil in place (OOIP) by 

volumetric method is calculated by the following formula; 

OOIP = A*h*∅*(1-Swi)/ (Boi*5.615)                                      6.1 

where;                              

A    : area, ft2 

h     : net thickness, ft 

∅    : porosity, fraction 

Swi   : initial water saturation, fraction 

Boi    : initial formation volume factor of oil, bbl/STB 

The area encompassed by water oil contact was planimetered as 

10,062,360 ft2 from the structural map. Net thickness of the reservoir zone is 

23 ft. Average porosity and initial water saturation are both 0.25. Thus, 

OOIP of the field K was calculated as 7,5 MMSTB by volumetric method. 

Pertophysical parameters porosity, saturation and thickness have some 

sort of vagueness due to their characteristics and measurement 

shortcomings [48]. At this point, probabilistic techniques are used to 

estimate and classify reserves. Monte Carlo simulation, which is one of 

these techniques, considers entire ranges of the variables of original oil in 

place (OOIP) formula.  
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Probabilistic reserve calculation is done by @Risk software program that is 

used for implementing Monte Carlo method. Log data for the reservoir 

was considered as the sample set for the simulation. Outcomes of Monte 

Carlo simulation were given in Appendix B.1. At the end of simulation it 

was found that Field K has P50 reserves as 7 MMSTB which is close to 

volumetric approach (Table 6.2). Probable and Possible Reserves are 

given below (Figure 6.8 and Table 6.3). 
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Figure 6.8 Probability density function of field K reserve 

 

Table 6.2 Comparison of reserve estimation methods 
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Table 6.3 OOIP results of field K by probabilistic estimation 

 

 

TPAO also calculated the volumetric OOIP as 7.5 MMSTB [41] 

6.3 Description of the Reservoir Model 

The reservoir modeled in this study is a heterogeneous reef composed of 

two distinct carbonate formations. The upper formation is limestone (zone 

A) with an average thickness of 11 m. It is tight and it has an average 

porosity of 0.05 and average permeability of 0.06 md. The lower formation 

(zone B) is dolomite with an average thickness of 9 ft, average porosity of 

0.25, and average permeability of 60 md. Vertical to horizontal 

permeability was assumed as 0.3. The reservoir shape is anticline, and it is 

bounded by faults and underlain by an aquifer (zone C) (Figure 6.9). Oil, 

which is produced from the lower formation, has a viscosity of 5 cp and 

gravity of 32o API. The average reservoir depth is 1950 m (1230 m subsea 

depth) with an initial pressure and temperature of 2520 psi and 148 °F, 

respectively. Interpreted rock and fluid data were merged into the 

CMG/STARS numerical simulator, which was used for simulation studies. 

The reservoir model (Figure 6.10) was divided into grids in cartesian 

coordinates which contains a total of 2400 blocks (40x15x4) of which 668 

are inactive blocks. Although the reservoir contains two distinct layers 

(upper and lower formations), the lower one (zone B) was divided into 3 

equal grid layers with the same properties to observe the vertical 

movements of CO2 since it was injected from the most bottom layer (Zone 

B3) for all simulation runs of this study. 
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There was an aquifer (zone C) at the bottom of Zone B. This was 

implemented by using the data related to aquifer system into CMG 

simulator. No flow boundary condition was assumed at the boundaries 

surrounding the reservoir.  The edges of the reservoir could also be 

considered as a constant pressure boundary. But there was no 

information along the boundaries of the reservoir.  

 

 

Figure 6.9 2D structural map of field K showing boundary conditions and fault locations 

(subsea depths in m) 

 

Figure 6.10 3D view of reservoir with well locations 
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6.4 Simulation Runs 

Oil recovery behavior and CO2 sequestration capacity of the Field K were 

examined in different simulation scenarios (Table 6.4). Different scenarios 

were analyzed to determine highest oil recovery and highest CO2 storage 

strategies. 

Table 6.4 Summary of simulation runs 
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Table 6.4 (continued) 
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Table 6.4 (continued) 
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Table 6.4(continued) 

 

6.4.1 Run 1: History Matching 

History matching process was used to verify simulation data with the field 

data. Oil rate and cumulative water production data were matched 

simultaneously using the oil rate (Figure 6.11) as the controlling parameter. 

Figure 6.12 shows the final results of the history-matching for the field and 

simulated data. Oil water relative permeability data (Figure 6.6) was 

obtained at the end of history matching study by a trial-and-error process. 

During the history matching, the simulator calculated the bottom hole 

flowing pressure at each well (Figure 6.13) that was necessary to produce 

the given oil production rate, and then used this bottom hole pressure to 

calculate the water production at each well. Since the simulator was able 

to predict the cumulative water production within a reasonable degree 

of accuracy, the corresponding flowing bottom hole pressure at the end 

history matching were thought to be acceptable. Thus, an average value 

of well bottom hole pressure was taken as 10000 kPa (1450 psi) for further 

simulation runs.  
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Figure 6.11 Oil production rates of the wells, Run 1, history matching  
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 Figure 6.12 Cumulative water production comparison between the field data                  

and simulator results, Run 1, history matching  
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Figure 6.13 Well bottom-hole pressures of the wells, Run 1, history matching  

 

Figure 6.14 gives the outcomes of the history matching study in terms of 

field cumulative oil and water productions and reservoir pressure after 

depletion.  The primary depletion was from 17375 kPa (2520 psi) to12000 

kPa (1740 psi) (pressure of grid block 26,7,2) during 24 years, with a 

cumulative production of 258791 sm3 (1,6 MMSTB). The oil recovery is 23% 

of OOIP. 
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Figure 6.14 Field production summary after primary depletion, Run 1, history matching 

6.4.2 Run 2: Field Production Continued (Base Run)  

In Run 2, TPAO oil production was continued from 3 wells (Figure 6.15) after 

2006 till 2036 without any CO2 injection. Well bottom-hole pressure was 

taken as 10000 kPa and minimum oil rate constraint was taken as 1 

m3/day (6 barrel/day) in the wells. Figures 6.16 through 6.18 present the 

results for this run. Well K1 was closed in 2021 since the oil rate reached to 

the minimum rate constraint defined. The cumulative oil production for 

Run 2 was 340176 sm3 with a total oil recovery of 31% of OOIP for 30 years 

of oil production. The results of Run 2 will be used for making comparison 

with the results of other simulation runs. 
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Figure 6.15 Location of production wells, Run2, field production continued 

 

 

Figure 6.16 Oil production rates of the wells, Run 2, field production continued 
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Figure 6.17 Well bottom-hole pressures of the wells, Run 2, field production continued 

 

 

Figure 6.18 Field production summary, Run 2, field production continued 
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6.4.3 Run 3: CO2 Sequestration (SEQ.)  

This scenario considered only the injection of CO2 injection into all wells. In 

other words, oil production was not allowed from the wells. CO2 injection 

was implemented in 2006, immediately after primary oil depletion. CO2 

was injected into 5 wells, 3 of which (K1, K2, and K3) were currently 

producing, and 2 of which (K5 and K9) were abandoned due to 

economical reasons (Figure 6.19). Maximum CO2 injection rate was found 

out to be 6000 m3/day/well based on series of simulation runs. CO2 was 

injected at supercritical state, at a pressure of 17500 kPa and temperature 

of 64 oC, close to initial reservoir conditions. The maximum average 

reservoir pressure constraint was assumed as 20000 kPa (approximately 

15% more of initial reservoir pressure) to make sure that the formation was 

not fractured during CO2 injection.  

Results are given in Figures 6.20 and 6.21. CO2 injection was planned for a 

period of 30 years, but the simulation was terminated after 8 months since 

the reservoir pressure reached to 20000 kPa. Cumulative CO2 injection into 

the reservoir was 300 MMSCF for a period of 8 months. CO2 emission from 

an average power plant (500 MW) is 250 MMSCF/day. Thus, it was 

decided to focus on oil recovery while CO2 was sequestered within the 

reservoir. 
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Figure 6.19 Location of injection wells, Run3, CO2 SEQ. 

 

 

Figure 6.20 Well bottom hole pressure and CO2 injection rate of Well K1, Run 3, CO2 SEQ. 
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Figure 6.21 Field injection summary, Run 3, CO2 SEQ. 

6.4.4 Run 4: CO2 EOR/SEQ. 

In this scenario oil recovery was studied during CO2 injection. That gas oil 

ratio (GOR) was the controlling parameter whose effect on CO2 EOR/SEQ 

performance was studied. Three cases, Run 4a, 4b and 4c were 

performed with different GOR constraints on production wells to find the 

best production and injection performance. In all cases, CO2 injection 

was implemented in 2006 for a period of 30 years into the abandoned 

wells, K5 and K9, with the same rates as in Run 3. Oil was produced from 

K1, K2 and K3 wells (Figure 6.22).  
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Figure 6.22 Location of injection and production wells, Run4, CO2 EOR/SEQ. 

 

Figures 6.23 through 6.31 present the outcomes for Run 4. Table 6.5 

compares the cumulative water, oil and gas (CO2) production, and 

cumulative CO2 injection for all cases for 30 years of CO2 injection. The 

best case for oil recovery in this scenario was Run 4a in which no gas oil 

ratio constraint was defined for production wells. The cumulative oil 

production for Run 4a was 436371 sm3 with a total oil recovery of 39% of 

OOIP. But, 82% of injected CO2 were produced and decided to be 

recycled. Thus, high CO2 and water production were problems at the well 

site such that installing of gas recycling and water treatment units could 

be uneconomical.  

On the other hand, gas production was the least for Run 4c in which GOR 

constraint is defined as 100 m3/m3 in production wells. Compared to Run 

4a, only 1% of injected gas was produced on the well site, but the oil 

recovery of 26% of OOIP was lower compared to Run 4a. Moreover, 

simulation time was diminished, since the production wells were closed 

due to GOR constraint that was reached very quickly. Run 4b gave better 

results in terms of oil recovery and CO2 sequestration. The cumulative oil 

production for Run 4b was 342524 sm3 with a total oil recovery of 31% of 

OOIP and approximately 73% of the injected CO2 was stored in the 

reservoir.  
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Table 6.5 Comparison of simulations, Run 4, CO2 EOR/SEQ. 

 

 

The breakthrough of CO2 was occurred at the production well K2 in less 

than 0.2 pore volumes (PV) of CO2 injected. This result depends strongly on 

the heterogeneous distribution of the reservoir permeability. At 

breakthrough, the cumulative oil recovery was obtained as 25% of OOIP.  

 

 

Figure 6.23 Oil production rate of the well K2, Run 4a, CO2/EOR SEQ. 
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Figure 6.24 Oil production rate of the well K2, Run 4b, CO2/EOR SEQ. 

 

 

Figure 6.25 Oil production rate of the well K2, Run 4c, CO2/EOR SEQ. 
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Figure 6.26 Well bottom hole pressure and CO2 injection rate of Well K5, Run 4a,              

CO2 EOR/SEQ. 

 

 

Figure 6.27 Well bottom hole pressure and CO2 injection rate of Well K5, Run 4b,              

CO2 EOR/SEQ. 
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Figure 6.28 Well bottom hole pressure and CO2 injection rate of Well K5, Run 4c,              

CO2 EOR/SEQ. 

 

 

Figure 6.29 Field injection and production summary, Run 4a, CO2 EOR/SEQ. 
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Figure 6.30 Field injection and production summary, Run 4b, CO2 EOR/SEQ. 

 

 

Figure 6.31 Field injection and production summary, Run 4c, CO2 EOR/SEQ. 
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6.4.5 Run 5: CO2 EOR/SEQ 

The parameters of run 5 are similar to that of Run 4 except the location of 

production and injection wells that were redefined. Run 5 has three cases 

which have different starting dates for CO2 injection between 2006 and 

2036.  

In this scenario, the producing K1 well was converted to injection well and 

a new well KN1 was drilled for CO2 injection at the southwest of field K. K2 

and K3 wells were still producing (Figure 6.32). CO2 was injected at the 

rate of 6000 m3/day/well for 20 years.  The GOR constraint was taken as 

500 m3/m3 for all production wells as in previous runs. CO2 injection was 

started in 2006, 2011 and 2016 for runs 5a, 5b and 5c, respectively.  

The results of simulation runs are presented in Tables 6.6 and 6.7 and 

Figures 6.33 through 6.43. It was observed that early injection of CO2, in 

2006 for Run 5a, did not change the oil recovery (31.5 % of OOIP) 

significantly while producing 20 % of injected CO2. The cumulative water 

production was around 0.5 x106 m3. 

In run 5c, CO2 was injected in 2016 that was 20 years before the end of 

simulation. Although the amount of injected CO2 was nearly same 

compared to the values of runs 5a and 5b, the oil recovery was 33.1% of 

OOIP and CO2 production to injection ratio was 17%.  Thus relatively 

higher amount of injected CO2 was kept within the reservoir. CO2 might 

contact with water and dissolve in it; as a result more CO2 can be stored 

within the reservoir.  

When CO2 injection was started, the cumulative water production was 

about 0.4 x106 m3 in 2006 for Run 5a and it was 0.6 x106 m3 in 2016 for run 

5c. The cumulative water production for Run 5c was around 0.7 x106 m3 
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which is higher than the value of Run 5a (0.55x106 m3) at the end of 

simulation runs.  This might be the activity of aquifer system, during 

production period, which is connected to the bottom of the reservoir.   

 

 

Figure 6.32 Location of injection and production wells, Run5, CO2 EOR/SEQ. 

 

Table 6.6 Comparison of simulations, Run 5, CO2 EOR/SEQ. 

 

 

Table 6.7 Cumulative oil and gas (CO2) productions, Run5, CO2 EOR/SEQ 
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Figure 6.33 Oil recoveries vs. date, Run 5, CO2 EOR/SEQ. 
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Figure 6.34 CO2 produced/CO2 injected vs. date, Run 5, CO2 EOR/SEQ. 
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Figure 6.35 Oil production rate of the well K2, Run 5a, CO2/EOR SEQ. 

 

 

Figure 6.36 Oil production rate of the well K2, Run 5b, CO2/EOR SEQ. 
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Figure 6.37 Oil production rate of the well K2, Run 5c, CO2/EOR SEQ. 

 

 

Figure 6.38 Well bottom hole pressure and CO2 injection rate of Well K1, Run 5a,              

CO2 EOR/SEQ. 
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Figure 6.39 Well bottom hole pressure and CO2 injection rate of Well K1, Run 5b,              

CO2 EOR/SEQ. 

 

 

Figure 6.40 Well bottom hole pressure and CO2 injection rate of Well K1, Run 5c,              

CO2 EOR/SEQ. 
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Figure 6.41 Field injection and production summary, Run5a, CO2 EOR/SEQ. 

 

 

Figure 6.42 Field injection and production summary, Run5b, CO2 EOR/SEQ. 
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Figure 6.43 Field injection and production summary, Run5c, CO2 EOR/SEQ. 

6.4.6 Run 6 Field Development & CO2 EOR/SEQ 

After simulating the scenario in Runs 4 and 5, it was decided to create Run 

6 for increasing oil production and storing CO2. Thus GOR constraint was 

taken as 500 m3/m3. Three new wells (KN1, KN2 and KN3) were drilled. 

Locations of the existing and new wells are shown in Figure 6.44. In this 

Run, to get maximum oil recovery and increase amount of stored CO2, 

the locations of injection and production wells were redefined. Another 

new injection well (KN3) was drilled on the other side of the fault, and CO2 

injection was started at the corners of the reservoir after 2016. 

In 2006, new production wells KN1 and KN2 were put on production in 

addition to existing K1, K2, K3 and abandoned K5 and K9 wells. Oil 

production was continued till 2016. After 2016, K1 and KN1 wells were 

converted to injection wells and new injection well KN3 was opened for 

injection at the north of the fault. 
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The results of Run 6 are given in Figures 6.45 through 6.49. Table 6.8 

summarizes the results of simulation in terms of cumulative oil production, 

cumulative CO2 injection and production. Oil recovery was obtained as 

43 % of OOIP. This was the maximum recovery obtained among all other 

runs. 

The difference between the injected and produced CO2 was calculated 

as 8.4x106 sm3 for Run 3, 23.2x106 sm3 for Run 4a, 52.9x106 sm3 for Run 4b, 

36.6x06 sm3 for Run 4c, 68.2x106 sm3 for Run 5a, 68.8x106 sm3 for Run 5b, 

69.3x106 sm3 for Run 5c and 92.3x06 sm3 for Run 6. The results of Run 6 

revealed the importance of optimizing oil recovery and stored amount of 

CO2 with a proper field development by selecting appropriate locations 

and numbers for the injection and production wells. 

 

Figure 6.44 Location of injection and production wells, Run6, CO2 EOR/SEQ. 

 

Table 6.8 Comparison of simulation, Run 6, field development & CO2/EOR SEQ. 
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Figure 6.45 Oil production rate of the well K2, Run 6, field development & CO2/EOR SEQ. 

 

 

Figure 6.46 Well bottom hole pressure and CO2 injection rate of Well K1, Run 6, field 

development & CO2 EOR/SEQ. 
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Figure 6.47 Oil production rate of the well KN2, Run 6, field development & CO2/EOR SEQ. 

 

 

Figure 6.48 Well bottom hole pressure and CO2 injection rate of Well KN3, Run 6, field 

development & CO2 EOR/SEQ. 
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Figure 6.49 Field injection and production summary, Run 6, field                           

development & CO2/EOR SEQ. 
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Figure 6.50 represents the change in oil viscosity after CO2 injection. It was 

obvious that oil viscosity significantly was decreased by a factor of ten 

which improved the oil mobility as a result the oil recovery was increased. 

 

 

Figure 6.50 Change in oil viscosity after CO2 injection, Run 6 field                           

development & CO2/EOR SEQ. 

 

Figures 6.51 and 6.52 reveal that CO2 propagation is upward due to 

buoyancy and gravitational effects. Thus as CO2 migrated to the upper 

zones of the formation, it dissolved more in oil and water which resulted in 

the development of CO2 sink at the top of the formation. At this point cap 

rock integrity could be critical. Although it was beyond the scope of this 

study, cap rock integrity could be studied for the continuation of this work. 
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Figure 6.51 CO2 propagation in Zone A, Run 6, field development & CO2/EOR SEQ. 
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Figure 6.52 CO2 propagation in layers of Zone B, Run 6, field development & CO2/EOR SEQ. 
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CHAPTER 7  

CONCLUSIONS 

 

In CO2 EOR technique, the main purpose is to maximize oil recovery with 

the minimum injected amount of CO2, while a maximum amount of CO2 is 

aimed to store in a sequestration process. Thus, enhancing oil recovery in 

a sequestration is an optimization process that requires careful analysis.  

From this point of view, different scenarios were developed to maximize 

the amount of CO2 stored while increasing the recovery of oil at the same 

time. The compositional simulator CMG/STARS software was used to study 

CO2 storage and flooding potential of an oil reservoir located in southeast 

of Turkey. History matching study was utilized to verify simulation results 

with field data.  

The following conclusions were drawn; 

1. Monte Carlo simulation was used to estimate OOIP, probabilistically 

with the parameters having some sort of uncertainty. The OIIP was 

estimated as 7x106 stb that was very close to 7.5x106 stb given by 

TPAO and 7.3x106 stb acquired from CMG.  

2. CO2 emission from an average power plant (500 MW) is 250 

MMSCF/day. Cumulative CO2 injection into the reservoir was 300 

MMSCF (Run 3) for a period of 8 months from 5 wells. 20% additional 

oil recovery of OOIP was obtained by starting to CO2 injection (Run 

6) after 2006. Thus, Field K was decided to be not suitable for CO2 
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storage but appropriate for enhanced oil recovery while CO2 was 

injected into the reservoir. 

3. When no GOR constraint was defined (Run 4a), the oil recovery 

was found as 39% of OOIP, but 82% of injected CO2 were 

produced. Thus, high CO2 and water production may induce 

problems such as corrosion and hydrate formation in the well and 

increase the cost of process with the need of installing gas 

recycling and water treatment units.  

4. When CO2 was injected in earlier times (run 5a), the oil recovery 

was not higher than that of late CO2 injection runs (Runs 5b and 

5c). But relatively higher amount of injected CO2 was kept within 

the reservoir for the late CO2 injection runs.  More water 

encroachment was occurred between the period of production 

and injection, as a result more CO2 might be dissolved in oil and 

water.  

5. After implementing CO2 injection into the wells, CO2 migrated to 

the upper zones of the formation; it dissolved more in oil and water 

which resulted in the development of CO2 sink at the top of the 

formation (Zone B1) and hydrodynamically trapped at the bottom 

of impermeable rock (Zone A). 

6. When CO2 was injected, the oil viscosity was decreased by a 

factor of ten which improved the oil mobility; as a result, the oil 

recovery was enhanced. 
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7. Well defined production and injection scenario (Run 6) was critical 

issue for the optimization of CO2 EOR/Sequestration process such 

that field development strategy by selecting appropriate 

conditions and locations for the injection and production wells 

increased the oil recovery and the stored amount of CO2. 
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APPENDIX A 

A.1 Drill Stem Test (DST) Results 

Table A.1 DST Input Data (1946-1963 m) 

 

 

  

Figure A.1 History plot from DST data  
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Table A.2 Results from DST data by SAPHIR program 
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A.2 Estimating Minimum Miscibility Pressure (MMP) 

MMP is highly dependent on the oil composition, pressure and 

temperature. Light oil with an API gravity of 32o has a molecular weight of 

200 (Figure A.2) and MMP for CO2 was obtained as 2150 psi from Figure 

A.3.  Reservoir temperature is148 oF. 

 

Figure A.2 Molecular weight vs. Oil gravity [49] 

 

 

Figure A.3 Minimum miscibility pressure vs. temperature [50] 
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MMP was also calculated by using equation 2.1 [35]. It was found as 1986 

psi. This is lower than 2150 psi. If the molecular weight was 214.4 and mole 

fractions of CH4 and N2 was zero, the MMP could be calculated as 2150 

psi or if the molecular weight was 200 and mole fractions of CH4 and N2 

was 10 percent, the MMP could be calculated as 2150 psi. The reason 

might be the presence of CH4 and N2 fractions and the change in 

molecular weight of C5+ fractions. Therefore these values should be well 

known data for estimating MMP with equation 2.1. 
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A.3 Well Logging Interpretation Results 

1945

1950

1955

1960

1965

1970

1975

1980

1985

1990

1995

0 5 10 15 20 25 30

Porosity, %

D
e

p
th

, 
m

 

Figure A.4 Well K1 porosity vs. depth 
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Figure A.5 Well K1 water saturation vs. depth 
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Figure A.6 Well K2 porosity vs. depth 
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Figure A.7 Well K2 water saturation vs. depth 
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Figure A.8 Well K3 porosity vs. depth 
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Figure A.9 Well K3 water saturation vs. depth 
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Figure A.10 Well K9 porosity vs. depth 
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Figure A.11 Well K9 water saturation vs. depth 
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APPENDIX B 

B.1 Monte Carlo Simulation Results 

 

 

Figure B.1 Porosity histogram of zone B 
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Figure B.2 Water saturation histogram of zone B 

 

 

Figure B.3 Net thickness histogram of zone B 
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Figure B.4 Maximum and possible area of the field K 

 

 

Figure B.5 Area histogram of the field (maximum and minimum) 
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Table B.1 Summary statistics of Monte Carlo simulation 

 

 

 

 

 

 

 

 


